INTRODUCTION
Since the initial work on the project was published in CIRED 2003 proceedings [1, 2] , the UK renewables obligation has been extended to 15% of the electricity supply from renewable energy resources by 2015. This is in addition to the development of at least 10 GWe of combined heat and power plant by 2010.
In the project, further development of feeder protection, system control and the economic evaluation of DG schemes has been carried out. Investigation of feeder protection has concentrated on the distance relaying of 11kV cable circuits. The work has been based on the utilization of existing equipment installed on 11kV circuits. The main elements of the new distance relay are described in this paper. The work on system control has progressed the development of a Distribution Management System Controller (DMSC). This work is summarised and reference made to a companion paper [3] . In the final section of this paper the economic evaluation of DG islanding is discussed. A methodology is introduced that quantifies the value of reduced interruption durations and frequencies due to DG islanding.
FEEDER PROTECTION
Initial work carried out on this project described the problems of protecting 11kV feeders when DG was connected to the 11kV network. Relay selectivity was difficult due to the variation in magnitude and direction of the fault current. In addition, the long operating times of 11kV overcurrent relays meant that synchronism was difficult to maintain between the DG and grid for three phase faults on the 11kV network [2] .
In an attempt to minimise these problems, investigation was made into the protection of 11kV cables using a time stepped distance scheme. The design of the new scheme was based on the use of existing equipment installed on the 11kV circuits. Distribution substations (11/0.433 kV) are not equipped with voltage transformers (VTs), and seldom have communication schemes installed. New VTs were avoided by measuring the distance relay voltage directly at the 0.433 kV winding of the local distribution transformer.
New Distance Relay Main Elements
The block diagram in Figure 1 shows the main elements of the new distance relay. Due to the Dyn vector group of the distribution transformer, the 11kV zero sequence voltage cannot be measured. The 11kV zero sequence voltage, V0 R , was estimated using symmetrical component theory.
The zero sequence current, I0 R , is measured by 11kV line currrent transformers which are available in the 11kV distribution switchgear. The zero sequence impedance behind the relay, Z0 R , is input into the relay as a setting parameter. It is known with a reasonable degree of accuracy as it is only dependent on the zero sequence impedance of the 11kV network. Power transformers with Dyn vector groups connect
the 11kV network to the 33kV and 0.433 kV networks. The zero sequence quantities at these voltage levels do not influence the setting as they are isolated by the vector group of the power transformers.
Block 2: Adaptive Elements
The adaptive elements are enabled during phase to earth faults only. Their role is to select the relay zero sequence impedance setting based on the 11kV network conditions. On selection of the correct setting, the 11kV zero sequence voltage can be estimated and used to calculate the relay apparent impedance. The adaptive elements carry out three tests before selection is made of the correct zero sequence impedance setting.
Test 1: Detection of fault current direction Considering a double end fed protected circuit, the zero sequence impedance behind the relay is dependent on the fault location relative to the relay location. The correct value can be selected by knowledge of the fault current direction. This is found by measurement of the relay negative sequence impedance [4] , as seen in equation 2.
The negative sequence voltage, V2 R , is derived in the relay from the measured phase to neutral voltages at the distribution transformer 0.433 kV winding. The negative sequence current, I2 R , is derived from the measured 11kV line currents. The value measured is the inverted negative sequence impedance behind the relay location. This is compared to a negative sequence impedance threshold in order to determine the fault current direction, i.e. select the correct zero sequence impedance setting.
Test 2: Detection of DG island operation Following UK practice, when the DG is running in parallel with the grid its neutral point is unearthed [5] . Conversely, island operation of the DG requires the neutral point to be earthed. These two conditions give different values of zero sequence impedance behind the relay. Discrimination between these two conditions is achieved by measurement of the negative sequence impedance. The magnitudes of negative sequence impedance behind the relay for DG island and DG parallel operation with the grid differ considerably, and enable discrimination between the conditions to be made.
Test 3: Detection of 11kV circuit configuration Typically, 11kV circuits are run in radial operation which means the zero sequence impedance behind the relay needs only to be set for this configuration. This work considers both radial and ring 11kV circuit operation. The zero sequence impedance behind the relay is dependent on the 11kV circuit configuration, and therefore has to be selected based on radial or ring 11kV circuit operation. From system simulation studies it was found that detection of 11kV circuit configuration could be established for solid and resistive phase to earth faults using equation 3:-
The circuit identification factor, K C , is calculated using the magnitudes of the measured positive and negative sequence voltages, V1 R and V2 R , and the positive sequence current, I1 R . This is then compared against a threshold setting to determine radial or ring 11kV circuit operation. The appropriate zero sequence impedance setting is then selected.
Blocks 3,4 and 5 in Figure 1 are found in the classical distance relay. The impedance measurement elements in blocks 3 and 4 are quadrilateral characteristics set to give multi-zone coverage of the 11kV cable network. For resistive phase to earth faults on 11kV ring circuits it was found that the phase to earth impedance measurement elements suffered severe under reach error, hence the requirement for the directional phase to earth elements (Block 5). Results of power system simulations are to be published in another paper [6] . The integrated operation of an OLTC and a single DG connection has been discussed in [7] , where it is referred to as segment control.
Segment Control
In this method, the set point of an automatic voltage control (AVC) relay is varied depending on the critical voltage on the network. The critical voltages are the minimum and maximum estimated voltages on the network. If these critical voltages
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are outside the network voltage limits, the AVC relay reference is altered to initiate the primary substation transformer tap. This technique only utilized the OLTC of the primary substation. A more advanced form of segment control is the area control.
Area Control
The area control method can integrate the function of the segment control and at the same time use other control options available on the network to regulate the network voltage. In this method, all the control actions are optimised within the network constraints.
The following work has been carried out to implement the first three voltage control methods into the DMSC.
Potential voltage measurements. Similar to the segment control method, the network voltage was estimated through state estimation. Since, distribution state estimation used a large number of pseudo load measurements, the available voltage measurements were located at potential points on the network to reduce the estimated standard deviations of the extended voltage measurements.
Statistical Distribution State Estimation (SDSE).
The SDSE implemented in the DMSC estimated both the expected values and the variances of the network voltage magnitudes. The variances of the estimated voltage magnitudes were used to construct the voltage control boundaries.
Optimized Power Flow control (OPF).
The OPF based control algorithm used the output from the SDSE. The OPF objective function was formulated to minimize the cost of the transformer tap operation T , the reactive power absorption and the curtailed generation as shown in equation 4.
In the above equation, xk C , is the associated cost of each of the available control actions. Usually, the cost of tap operation has no practical meaning. However, the number of tap operations can severely degrade the lifetime of the OLTC equipment.
The simulation results of the area based voltage control in the DMSC have shown that the area control method can be applied to control the network voltage on distribution networks with DG. The integration of the SDSE and the OPF control algorithm are presented in the companion paper [3] . Some simulation results from the area control algorithm to regulate the distribution network voltage have also been presented in the companion paper.
ECONOMIC EVALUATION OF ISLANDING

Valuation of Quality of Supply
The preceding CIRED paper [1] discussed the commercial integration of DG. At that time, the focus was the cost benefit analysis of Active Management (AM) techniques. The main research target was the identification of the most costeffective means to integrate additional DG. This was carried out from the DG and network operator points of view. It is expected that novel AM, system control & protection schemes can not only facilitate the integration of new DG plant, but could also open up the exploitation of further benefits. Extended economic evaluations consider the commercial impact of changes in network design and operation strategies on the electricity consumers. The work presented in this paper investigates the potential of DG and AM to enhance the quality of supply. In this context, the reduction in customer interruptions and in reconnection times were identified as the main parameters that can be influenced by system design, operation and protection. A methodology is presented that quantifies the value of reduced interruption durations and frequencies. The application of the methodology is illustrated in an example in which the upstream network is on outage and the islanded DG supplies sections of the disconnected network [8] .
In Great Britain the majority of supply interruptions occur at MV and LV network levels [9] . Hence, DG connected to these networks could have the potential to supply demand customers, if the upstream supply is disconnected. Islanded operation is currently not permitted in public distribution networks but a scenario was investigated for a future LV microgrid. The expected average outage rate, λ, and average outage duration, r, of an LV network supplied by a single circuit were evaluated with and without islanded operation during abnormal network conditions. The Customer Outage Cost (COC) of both configurations were evaluated based on equation 5 and the reliability indices λ and r. The methodology used and the customer interruption cost shown in Table 1 are described in more detail in [10] . Index of sector The concept used implies that the benefit from islanded operation equals the avoided customer outage cost. The network studied was modelled using the average annual British outage rate (λ GB ≈ 0.9 incidents/annum) and outage
duration (r GB ≈ 1.6h) [9] . The maximum benefit from islanded operation is limited by the COC. For the LV network modelled , the maximum benefit for residential and commercial customers in the order of about 1.4£/kW and 19.0£/kW was determined. This assumes an uninterrupted transition from grid to islanded operation. If an interrupted transition into islanded operation is to be considered then the benefit of an uninterrupted transition needs to be reduced by COC of switchover periods. The COC of 1min and 20min switchover periods are given in ∆COCs: ∆COCs: ∆COCs: ∆COCs: Table 2 : Switchover cost For instance, the potential benefit from islanded operation following a network failure and one minute switchover period was estimated to be in the order of 15£/kW (= 19£/kW -4£/kW) for commercial customers. It should be noted that the derived value is an annual benefit. Assuming a period of 20 years and discount rate of 7%, the net present value of the benefit was calculated. Considering an uninterrupted transition into islanded operation the net present values of COC reductions are in the order of 15£/kW and 200£/kW for residential and commercial consumers respectively. It can be concluded that islanded operation would be profitable if the associated net present value of the benefit exceeds the cost of equipment and engineering to enable it.
The methodology presented provides an indication whether islanded operation of certain network sections could be profitable. The methodology could also be applied to quantify the impact of the 11kV protection scheme. The benefit could be derived as the reduction in numbers of interrupted customers and subsequent reduction in COC.
CONCLUSION
Development of technical and commercial infrastructure is important to achieve the UK targets for renewable energy schemes and CHP. A description has been given of a new distance relay suitable for the protection of 11kV cable circuits. Voltage control of distribution networks with DG connected using a distribution management system controller was presented. In addition the economic benefits of DG islanding on loss of the grid supply was discussed.
